
1. INTRODUCTION 

Hydrogen (H2) is increasingly recognized as a promising 

low-carbon energy carrier due to its high energy density, 

abundance, versatility, and renewable potential. Large-

scale subsurface storage of hydrogen has emerged as a 

viable solution to address the primary challenges related 

to renewable energy generation, including seasonal and 

geographical limitations, as well as intermittency. Saline 

aquifers, among various potential reservoir formations, 

are particularly attractive for geologic H2 storage due to 

their abundance and substantial storage capacity. When 

H2 is injected into saline aquifer, it displaces the in-situ 

pore fluids, typically brine, and spreads out beneath low 

permeable formations, called caprock (Figure 1). 

 

Fig. 1. Hydrogen storage in saline aquifers and multiphase flow 

through reservoir formation. 

Several unique aspects of geologic H2 storage should be 

considered, encompassing fluid properties, geochemical 

reaction, and microbial activity (Heinemann et al., 2021). 

The density of hydrogen is significantly lower than that 

of carbon dioxide (CO2) (e.g., ρH2 = 6.89 kg/m3 and ρCO2 

= 289.95 kg/m3
 at 10 MPa; Linstrom and Mallard, 2024), 

leading to a buoyancy force approximately three times 

greater at a reference depth of 1000m (Heinemann et al., 

2021). The low solubility of H2 in pure water results in 

inconsiderable losses within the operation timescale 

(Feldmann et al., 2016). The injection of H2 into reservoir 

causes complex multiphase fluid displacement patterns, 

controlled by rock and fluid properties such as porosity, 

viscosity, compressibility, as well as fluid saturation and 

intrinsic/relative permeability (Heinemann et al., 2021). 

The relative permeability and capillary pressure directly 

influence fluid distribution within the reservoir, with 

particular importance being put on determining residual 

hydrogen saturation for economical feasibility during 

operations. Moreover, in contrast to the permanent CO2 

storage, H2 is stored seasonally (≈ one full injection and 

production cycle per year), leading to changes in capillary 

pressure-related behavior over operational timescale due 

to multiple injection-withdrawal cycles. 

Despite its significance, there remains a paucity of 

multiphase flow measurements to assess the suitability of 

specific reservoir for H2 storage. Obtaining experimental 

data under representative in-situ conditions is crucial for 

facilitating accurate predictions of H2 plume propagation 
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ABSTRACT: The feasibility of geologic hydrogen (H2) storage in saline aquifers necessitates a thorough analysis of multiphase 

fluid flow and fluid distribution. This study investigates Berea sandstone as a proxy for hydrogen injection into porous rock. An 

experimental setup has been developed to examine the water-hydrogen flow mechanism under representative in-situ stress conditions. 

The direct measurements demonstrate an exponential decrease in fluid permeability with saturation, with exponent values of 2.0 for 

water and 3.3 for hydrogen. The tests under different effective mean stresses reveal that the hydrogen relative permeability 

significantly changes, whereas the water permeability remains unaffected. Moreover, the relative permeability is predicted based on 

the capillary pressure curve and semi-empirical relative permeability models, indicating an underestimation of the fluid permeability 

at a given saturation. This research contributes unique insights into water and hydrogen relative permeability in potential reservoir 

for H2 storage. Although the pore structure-based estimation serves as a valuable pre-assessment tool, the direct measurements are 

crucial for accurately assessing the multiphase flow mechanism. 
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and defining optimum injection and production strategies. 

In this study, a novel experimental setup for two-phase 

fluid flow tests with specimens from potential reservoirs 

is introduced. Moreover, the relative permeability is 

derived through the indirect method based on the pore 

structure characteristics and the capillary properties of the 

water-H2-rock system. A comparison between these two 

methods sheds light on the influence factors of multiphase 

flow mechanisms.  

2. EXPERIMENTAL PROCEDURES 

2.1. Material 
Berea sandstone selected in this study is a light gray, fine-

grained sandstone formed in the late Devonian period. It 

is mainly composed of quartz (~90 % by mass), with 

small inclusions of kaolinite, K-feldspar, and muscovite. 

Pore structure analysis via mercury intrusion porosimetry 

(MIP) indicates porosity ϕ of 0.22 with the dominant pore 

size of 25 μm (Tarokh et al., 2020). 

Understanding the poroelastic properties of the tested 

rock is necessary for calculation in the stress condition 

and fluid saturation during the relative permeability test. 

Berea sandstone is tested in the hydrostatic compression 

system under the jacketed and unjacketed boundary 

conditions, which yields the drained bulk modulus K of 

12 GPa and the unjacketed (= solid) bulk modulus Ks' of 

30 GPa (Kim et al., 2023). 

The relationship between water-hydrogen capillary 

pressure ψ and fluid saturation serves as a key parameter 

for evaluating storage capacity and multiphase fluid flow. 

Given the challenge in direct measurement of ψ, the MIP 

results are commonly employed to estimate the capillary 

pressure of porous rock (Krevor et al., 2012; Pini et al., 

2012). However, accurate calculation requires a thorough 

understanding of capillary properties (contact angle θ and 

interfacial surface tension γ). A few datasets on water-

hydrogen system in rock have been developed (e.g., 

Hosseini et al., 2022a; 2022b), suggesting θ = 20º and γ = 

0.07 N/m under the same temperature and pressure to 

those in the relative permeability test.  

Figure 2 shows the capillary pressure curve calculated 

from the MIP measurement with Berea sandstone. 

According to a technique suggested by Fredlund et al. 

(2012), the water-hydrogen capillary entry pressure of 

Berea sandstone is determined to be 7.5 kPa. This value 

exceeds the CO2 entry pressure (≈ 4 kPa) due to higher γ 

and lower θ. It is important to acknowledge that the 

estimated entry pressure is typically underestimated 

compared to the in-situ value primarily due to differences 

in effective mean stresses (Kim and Makhnenko, 2023a). 

The intrusion of mercury into pores with a diameter 

exceeding 40 μm (ψ ≈ 3 kPa) is evident, with no 

discernible plateau observed below the entry value. The 

residual water saturation of tested Berea sandstone is 

calculated as 0.10 (Kim et al., 2023). Finally, the water-

hydrogen capillary pressure curve is fitted with the 

closed-form equation proposed by van Genuchten (1980) 

that employs three parameters to describe a sigmoidal 

function.   

 

Fig. 2. Water-hydrogen capillary pressure vs water saturation 

curve of Berea sandstone obtained from the porosimetry result. 

The curve is fitted with van Genuchten (VG) model.  

2.2. Relative permeability measurement 
The multiphase fluid flow refers to the simultaneous flow 

of a few fluids through porous media. The flow is 

assumed to be governed by Darcy’s law wherein the 

empirical concept of the relative permeability (Leverett, 

1941) is employed. The permeability ki of the i-th phase (i 

= w for water and h for hydrogen) under the steady-state 

conditions can be calculated as: 
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Here, a constant fluid pressure gradient Δpf is applied to 

the specimen with cross-sectional area A and length l. The 

volume change of fluid i (ΔVi) is measured over the time 

interval Δt. Τhe dynamic viscosities of the pore fluids are 

μw ≈ 0.001 Pa·s for water and μh ≈ 9.0 × 10-6 Pa·s for 

hydrogen under the experimental conditions (Linstrom 

and Mallard, 2024). The relative permeability is a 

dimensionless parameter denoting the ratio between the 

effective permeability ki to the intrinsic (i.e., single-phase) 

permeability k. 

A novel experimental setup utilizing the core flooding 

device has been developed in this study, enabling testing 

of water-hydrogen flow through reservoir rock under the 

representative in-situ conditions (Figure 3). A cylindrical 

specimen with a diameter d ≈ 26 mm and a length l ≈ 65 

mm is inserted into a Viton membrane installed inside the 

core holder. The confining pressure is applied solely in 

lateral direction using a syringe pump (Teledyne ISCO, 
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USA) with a pressure capacity of 51.7 MPa, while axial 

displacement is restrained. For the hydrogen injection, an 

additional upstream syringe pump with a substantially 

high capacity (= 137.9 MPa) and excellent corrosion 

resistance is utilized to prevent any leaks and ensure 

operational safety at working pressures. 

 

Fig. 3. Experimental setup for water-hydrogen flow in fluid-

saturated rock. 

Before conducting the two-phase flow test, the specimen 

is fully saturated with deionized water. The total mean 

stress and back pressure are gradually increased under a 

constant effective mean stress P', and at each stage 

Skempton’s B coefficient is measured (called the back 

pressure saturation technique; Black and Lee, 1973). The 

B value stabilizes with respect to the back pressure once 

air bubbles within the pores in the specimen and system 

are fully dissolved into the water, yielding a value of B = 

0.30 at the effective mean stress P' = 9 MPa. This value is 

below those reported by Makhnenko and Labuz (2016) 

for the same sandstone, possibly due to the anisotropic 

loading conditions in the core flooding setup. 

During the two-phase flow tests, two upstream pumps for 

water and hydrogen are operated in a flow-control manner 

while the downstream pump maintains the initial fluid 

pressure at 12 MPa. The total flow rate applied to the 

Berea sandstone specimen is fixed at 5 cm3/min, with the 

hydrogen fraction increasing by 1 cm3/min at each stage 

to mimic the H2 injection cycle (i.e., drainage episode) in 

the reservoir. Therefore, water-to-hydrogen injection 

ratio progresses as follows: 1.0:0.0, 0.8:0.2, 0.6:0.4, 

0.4:0.6, 0.2:0.8, and 0.0:1.0, respectively. At each stage, 

a sufficient volume of fluids from the upstream pumps 

should pass through the specimen to achieve steady-state 

flow, with the constant pressure gradient monitored via 

pore pressure transducers. 

In addition to the permeability measurements, accurate 

evaluation of the degree of saturation for each pore fluid 

is essential. This study adopts a method to determine fluid 

saturation based on the poroelastic relationship describing 

the undrained response of rock saturated with two pore 

fluids. This method has demonstrated the reliability for 

water-CO2 relative permeability assessments in both 

reservoir and caprock specimens (Kim and Makhnenko, 

2023b; Kim et al., 2023). After each stage of the two-

phase fluid flow test, the undrained condition is imposed 

and the equilibrium pore pressure is reached inside the 

specimen. Consequently, Skempton’s B coefficient is 

measured and can be expressed as a function of rock’s 

bulk and solid poroelastic properties and pore fluid bulk 

modulus Kf (Detournay and Cheng, 1993): 
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where ζ is the variation of fluid content,  is Biot 

coefficient, and Ks'' is the unjacketed pore modulus. For 

the tested Berea sandstone,  = 0.70 (at P' = 9 MPa) and 

Ks'' = 22 GPa (Makhnenko et al., 2017). 

The effective bulk modulus of the pore fluid (i.e., water-

hydrogen mixture) is proportional to the fluids’ degree of 

saturation and bulk moduli. Here, this relationship is 

assumed to follow the Reuss bound, widely used for 

estimating fluid saturation: 

                            
11 w w

f w h
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= +                          (3) 

where Sw is the degree of water saturation and the bulk 

modulus of water Kw = 2.24 GPa. The isothermal bulk 

modulus of hydrogen Kh is directly measured under 

different pressures using the same syringe pump, and 

under the testing conditions it is determined to be 0.016 

GPa. Moreover, the acoustic method for the bulk modulus 

of an ideal gas (Achenbach, 2012) and the Peng-Robinson 

equation of state (Peng and Robinson, 1976) provide Kh 

on the same order of magnitude. 

3. RESULTS 

According to the single-phase fluid flow test, the intrinsic 

permeability of Berea sandstone is measured to be 2.4 × 

10-14 m2 at P' = 9 MPa. During the two-phase fluid flow 

test, it is observed that the pressure difference between the 

upstream and downstream fluid surpasses the capillary 

entry pressure (= 7.5 kPa) to promote the fluid flow. This 

observation shows that higher capillary pressure is needed 

to displace water with hydrogen whereby Berea sandstone 

has water-wet wettability (Iglauer et al., 2015). 

Figure 4 depicts the results of water-hydrogen relative 

permeability test performed on Berea sandstone in the 

drainage episode. The error bars accompanying the fluid 

saturation data account for errors and uncertainties 

stemming from measurements of poroelastic properties, 

Skempton’s B coefficient, and H2 compressibility. Since 

the discrete data points are obtained from the two-phase 

flow test, employing fitting models become indispensable 

for predicting the relative permeability across a wide 
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range of fluid saturation. A number of studies have 

proposed models for the relative permeability, and the 

Brooks and Corey (1964) model that has been widely 

accepted for rock-like materials is selected here: 

                                ( ) i

i e ek S kS


=                            (3) 

where ki(Se) is the permeability of fluid i with the effective 

saturation Se, and δi is an empirical constant. 

 

Fig. 4. Drainage water-hydrogen relative permeability curves of 

Berea sandstone (P' = 9 MPa) with Brooks-Corey model. 

Exponential changes in both water and hydrogen relative 

permeability are measured, which is fitted by Brooks-

Corey model using the regression analysis. The empirical 

constants are calculated as δw = 2.0 for water and δh = 3.3 

for hydrogen in drainage – being in the same range as the 

δ values reported for water-CO2 relative permeability of 

sandstones (Bennion and Bachu, 2008; Kim et al., 2023). 

Similar exponential changes in the water and hydrogen 

relative permeability are observed in experiments with 

Vosges sandstone (Yekta et al., 2018). 

The water saturation at the endpoint in the drainage 

process (i.e., pure hydrogen injection) is calculated to be 

0.40. This value is higher than water saturation observed 

under the pure CO2 injection for the same sandstone (= 

0.30; Kim et al., 2023), suggesting a lower H2 storage 

capacity of the reservoir compared to CO2 storage 

capacity under overpressure on the order of hundreds of 

kPa. Despite the higher endpoint water saturation in the 

drainage episode, hydrogen permeability and resulting δ 

value are significantly higher than those for CO2 mainly 

due to its lower viscosity. The hydrogen relative 

permeability is expected to reach 1.0 at water saturation 

below the residual value (= 0.10).  

The relative permeability test in the imbibition episode is 

also conducted, providing insight into the water-hydrogen 

flow mechanism in the primary injection and production 

cycle (Figure 5). Interestingly, δ values for water and 

hydrogen become identical in the imbibition process (δw 

= δh = 2.8).  Minimal hysteresis in relative permeability is 

observed, primarily with water. The endpoint water 

saturation in this episode is calculated as 0.90, capturing 

the presence of trapped hydrogen after the pure water flow 

is established. 

 

Fig. 5. Drainage and imbibition relative permeability curves of 

Berea sandstone under P' = 9 MPa.  

The drainage relative permeability tests are performed 

under different effective mean stresses to identify their 

effect on the water-hydrogen flow mechanism (Figure 6). 

The endpoint water saturation in the drainage episode 

decreases by 0.10 when the higher effective mean stress 

is applied.  Water relative permeability curves exhibit the 

same exponent value δw under different P', whereas δh 

increases significantly under P' = 15 MPa mainly due to 

the lower endpoint water saturation and hydrogen 

permeability (δh = 7.2 at P' = 15 MPa).  

 

Fig. 6. Drainage water-hydrogen relative permeability curves of 

Berea sandstone under P' = 9 MPa and P' =15 MPa. 
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4. DISCUSSION 

Although the direct measurement of relative permeability 

allows simulation of in-situ stress conditions and 

geochemical reactions between the rock and fluids, it is 

an involved and time-consuming procedure. Hence, an 

approach to estimate the relative permeability based on 

the pore structure analysis and semi-empirical models is 

adopted, as previously employed in the water-CO2 flow 

through caprock (Kim and Makhnenko, 2023b). This 

indirect method stems from the observation that closed-

form parametric models for the capillary pressure curve 

share the fitting parameters with the relative permeability 

curve. The relative permeability model utilized in this 

study is developed by a combination of van Genuchten 

model and Mualem model (1976), referred to as Mualem-

van Genuchten model. 

Figure 7 illustrates a comparison between the measured 

(P' = 9 MPa) and predicted relative permeability curves 

of Berea sandstone during the drainage episode. In this 

case, the indirect method yields lower water and hydrogen 

relative permeability at a given saturation compared to the 

direct method. This discrepancy suggests that predictions 

regarding the propagation of the hydrogen plume and pore 

pressure distribution in the field may be inaccurate when 

only indirect pore-scale assessment is employed. It is 

more pronounced for water-hydrogen flow compared to 

water-CO2 flow likely due to the differences in properties 

of the nonwetting fluid, especially its viscosity. The 

hydrogen permeability curve at P' = 15 MPa is predicted 

by the indirect method. The modification of the model 

results in a more accurate estimation of water and 

hydrogen relative permeability as it does not transfer 

uncertainty in the capillary pressure curve near full 

saturation (Sw over 0.9) to the relative permeability curve 

(Kim and Makhnenko, 2023b). 

 

Fig. 7. Comparison between measured (P' = 9 MPa) and 

predicted relative permeability curves of Berea sandstone in the 

drainage episode. 

Despite the robustness and ease of implementation of the 

indirect method, several limitations should be addressed. 

Firstly, the indirect method does not account for the 

effects of different fluid saturation on their permeability 

since it employs the same fitting parameters for both 

water and hydrogen relative permeability. Secondly, the 

specimens undergo compression due to the application of 

elevated effective mean stress during the two-phase flow 

test, which can alter the interconnection of pore conduits, 

unlike the pore structure analysis conducted at zero 

effective mean stress condition. Thirdly, the porosimetry 

cannot be used to evaluate hysteresis in the relative 

permeability curve across a wide range of fluid saturation, 

especially for reservoir, because of its instrumental 

limitations. Finally, geochemical reactions between fluids 

and rock cannot be considered in the MIP. While Berea 

sandstone contains negligible amounts of pyrite, 

oxidation of pyrite and other Fe(II)-bearing phases can 
promote geochemical reactions, increasing porosity and 

permeability. Carbonates (e.g., calcite) trigger significant 

hydrogen loss through calcite dissolution induced H2 

dissociation processes. In summary, we argue that the 

indirect method has a limited applicability and advocate 

for the direct measurement for precise assessment of the 

complex water-hydrogen flow mechanism.  

5. CONCLUSIONS 

This study involves the characterization of multiphase 

hydraulic properties of Berea sandstone as a proxy 

reservoir rock for geologic H2 storage. The dominant pore 

size and porosity are measured to be 25 μm and 0.22, 

respectively. The H2 entry pressure estimated based on 

pore size distribution and capillary properties is 7.5 kPa, 

reflecting a few times higher value compared to the CO2 

entry pressure due to higher interfacial surface tension 

and lower contact angle between water and hydrogen. The 

intrinsic permeability of the tested Berea sandstone is 

measured to be on the order of 10-14 m2. 

An experimental setup with a core flooding device has 

been established to investigate water-hydrogen flow 

mechanism in reservoir under the representative in-situ 

stress conditions. In addition, a novel technique is adopted 

to calculate fluid saturation of specimen relying on 

changes in the undrained response with the effective bulk 

modulus of water-hydrogen mixture. The experiments in 

the drainage episode reveal an exponential decrease in 

permeability with fluid saturation, reflected by the 

exponent values of δw = 2.0 and δh = 3.3 in Brooks-Corey 

model. Interestingly, water-CO2 and water-hydrogen 

relative permeability tests with sandstones provide similar 
empirical constants for water curve (Bennion and Bachu, 

2008; Kim et al., 2023). However, during the hydrogen 

injection the hydrogen permeability and the resulting 

exponent value appear to be significantly higher than for 

CO2 due to higher H2 mobility. The higher endpoint water 
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saturation in the drainage episode suggests a lower H2 

storage capacity of Berea sandstone reservoir compared 

to CO2 storage capacity under hundreds of kPa of 

overpressure, with minimal hysteresis observed in water 

relative permeability. The tests under different effective 

mean stresses reveal that the hydrogen permeability is 

significantly influenced by the applied effective mean 

stress, whereas the water permeability remains unaffected. 

The prediction method, coupled with pore structure data 

and relative permeability models, is employed and 

compared with the direct measurements. This indirect 

method yields a lower permeability at a given saturation, 

particularly pronounced at higher fluid saturation. This 

disparity arises primarily from the model’s inability to 

consider different effects of fluid saturation on relative 

permeability, including stress- and pore fluid chemistry-

dependency.  

In conclusion, this research offers a unique insight into the 

water and hydrogen relative permeability in potential 

reservoir rock for underground H2 storage. Although the 

porosimetry-based estimation method serves as an 

informative pre-assessment tool, the direct measurements 

are highly recommended for accurate characterization of 

water-hydrogen flow. 
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